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Order No. 43/13 
April 26, 2013
Page 4 of 62

2.0.0 IT IS  ORDERED: 

1. That the 1% rate deferral and associated revenues, which formed part of interim
rates granted in Order 30/11 and 40/11 to be included in Manitoba Hydro’s
revenue and base rates effective April, 2012 BE AND IS HEREBY APPROVED
AS FINAL. 

2. That the interim rate increases of 2% granted April 1, 2012 and 2.4% granted
September 1, 2012 BE AND ARE HEREBY APPROVED AS FINAL.

3. That a 3.5 % overall increase in billed rates for the basic monthly charge, the
demand charge, and the energy charge for all rate categories to take effect May
1, 2013, with revenues from a 1.5% portion of the rate increase accruing in a
deferral account to be utilized to mitigate the required rate increases when Bipole
III is placed in-service, BE AND IS HEREBY APPROVED.

4. That Manitoba Hydro recalculate and refile, for Board approval, a schedule of
rates reflecting a 3.5% increase to the basic monthly charge, demand charge and
energy charge across all consumer classes, effective May 1, 2013, together with
all supporting schedules including proof of revenue and customer impacts.  

5. That Manitoba Hydro file with the Board, as part of any future interim application
for rate increases, the following information on a monthly basis for the previous
three months, and on an on-going basis until a rate Order in respect of the
Application is issued: 

(a) Hydraulic generation monthly data (GWh) for the Winnipeg River System,
Grand Rapids, Upper Nelson River Generating Station(s), Lower Nelson
River Generating Station(s), and Wuskwatim Generating Station;

(b) Monthly adjusted system energy-in-storage curves and Lake Winnipeg
water levels;

(c) Average monthly flow data for the Winnipeg River, Saskatchewan River,
and Upper Nelson River (Kelsey Generating Station) and Lower Nelson
River (Kettle Generating Station); 

(d) Monthly extra-provincial energy exchange data (volumes and prices) for
National Energy Board-filed sales and purchases (by permit / license
number), Midwest Independent System Operator day-ahead and real-time
sales and purchases, and Canadian sales and purchases; and 

(e) Monthly updates to Manitoba Hydro’s financial results relative to its
forecast.
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6. That Manitoba Hydro file with the Board an International Financial Reporting
Standards status update report prior to the next General Rate Application that will
provide the Board options available for rate-setting purposes. 

7. That Manitoba Hydro complete and file with the Board an Asset Condition
Assessment Study no later than the filing of the next updated depreciation study
with the Board. 

8. That Manitoba Hydro file updated depreciation rates and schedules based on an
International Financial Reporting Standards-compliant Average Service Life
methodology with the next General Rate Application. 

9. That Manitoba Hydro file with the Board, with the next General Rate Application,
a chart showing a comparison of the impact on its Integrated Financial Forecast
(i.e. ‘Budget’) of asset depreciation pursuant to the Average Service Life
methodology (without net salvage) and the Equal Life Group methodology
(without net salvage), applying both methodologies to all planned major capital
additions.

10. That Manitoba Hydro file, with its next General Rate Application, a detailed
quantitative and probabilistic risk assessment and review of all of its operating
and financial risks in order to allow the Board to assess the adequacy of the
reserves. Commercially sensitive information in the report is to be redacted from
the public version and filed in confidence with the Board.

11. That Manitoba Hydro file with the Board any negotiated agreements or changes
with respect to the Wuskwatim Power Limited Partnership when finalized, and
detail the impacts on Manitoba Hydro’s operating results and rates. 

12. That Manitoba Hydro’s revenue requirements are determined based on the level
of Demand-Side Management spending as set out in Manitoba Hydro’s 2011
Power Smart report, i.e., $34 million for 2012/13 and $35 million for 2013/14, for
a total of $69 million. To the extent Manitoba Hydro’s spending on Demand-Side
Management in the test years, including the Affordable Energy Fund and the
Lower Income Energy Efficiency Program, falls below $69 million, Manitoba
Hydro shall establish a deferral account for the discrepancy, the disposition of
which the Board will consider at the next General Rate Application. 

13. That Manitoba Hydro’s proposed changes to the Curtailable Rate Program BE
AND ARE HEREBY APPROVED ON AN INTERIM BASIS, to be reviewed by
the Board at a General Rate Application to follow the Needs For And Alternatives
To (NFAT) hearing with respect to Manitoba Hydro’s Preferred Development
Plan.
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BACKGROUND PAPER C: UNCERTAINTY ANALYSIS AND RISK SCENARIOS

The current Hydro GRA includes, for the first time, a major new area of analysis based on
quantifying risks that had been requested by the PUB since at least 2008 (Order 116/08)1. The
new analytical product, termed the “uncertainty analysis”, was first made available to the PUB
and intervenors in the 2016 Interim Rate review, but has not been fully reviewed or tested in a
GRA to date.

At its heart, the uncertainty analysis is different than previous Hydro analyses in the following
ways:

1. Multiple overlapping risks: The analysis looks at not just the effect of single risks,
but also combinations of risks (e.g., a bad drought combined with adverse interest rate
movements). The three most variable risks faced by Hydro are included – export prices,
water flows and interest rates. Discrete but unquantifiable risks (e.g., positive or adverse
policy changes outside of those already included in export price forecasts, infrastructure
failure) are not included.

2. Full probabilistic range: The analysis considers not just a single given scenario (such
as the worst case) but a combination of future scenarios to give a portrayal of the
probability of a given outcome, rather than just the implications of the worst possible
outcome.

3. Integrated modelling: The analysis permits scenarios to be considered in their
entirety, rather than just a single effect. For example, previous risk analyses had tended
to indicate that a 5 year drought would reduce retained earnings by a given dollar
impact compared to what would have occurred without the drought. But this portrayal
fails to indicate that absent the drought, there would likely have been a positive net
income over this 5 year period. For example, if a 5 year drought “cost” $1.5 billion, but
over this five year period the IFF had forecast $1 billion in net income at normal water,
then the adverse effect on Hydro’s retained earnings from the drought is only $0.5
billion over those 5 years. In this manner, the previous system tended to give results
that appeared excessively pessimistic by focusing on the value like $1.5 billion – the new
uncertainty analysis helps improve on the information presented.

Despite these advances, the modelling still fails to include a mechanism for rate response –
where each scenario run by the computer does not rely on a fixed rate increase path, but
instead on annual increases that are adaptive and responsive to the ongoing conditions (e.g.,
raises rates more than average, but with a constrained set of bounds, if poor conditions require,
less than average if good conditions permit).

1 Directive 12.
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This background paper addresses two aspects of the new uncertainty analysis:

1) What does the results of the analysis tell us?

2) How can it be improved?

Each of these items is addressed below relying on the materials filed in the current GRA.

For reference, the uncertainty analysis for the current IFF16 is provided in Tab 4, particularly
Section 4.5. Earlier uncertainty analysis conducted on IFF15 is contained in Appendix 4.2.
Significant additional material is contained in MIPUG/MH I-1a (Tab 4 figures extended to 20
years) and MIPUG/MH I-3c (Tab 4 charts with alternative scenario weightings). KPMG also
reviewed and commented on the IFF16 uncertainty analysis in Appendix 4.5. Finally, the
uncertainty analysis was updated for MH16 Update with Interim in PUB/MH II-41a-b.

1. WHAT DOES THE UNCERTAINTY ANALYSIS TELL US?

The uncertainty analysis focuses on a large range of future scenarios, which permits an
assessment of not just the potential for a given outcome to occur, but also the likelihood of that
outcome. The probability ranges charted focus on 50th percentile (the middle scenario – with an
equal number of scenarios that are better than this outcome and an equal number that are
worse than this outcome). Around this value, a box and whisker plot shows the 20th and 80th

percentile as the “box” (the 20th being the value where 1 in 5 scenarios are worse than this
value, and 4 in 5 are better; the 80th vice versa) and the 5th and 95th as the “whiskers” (the 5th

being a value that has 1 in 20 scenarios worse than this value, and 19 out of 20 better; the 95th

vice versa). An example is reproduced in Figure C-1 below.
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Figure C-1: Comparison of the Annual Net Income Variability2

Figure C-1 shows the net income, by year, generated by the uncertainty model. It shows the
box and whisker plot for two scenarios – one with 3.95%/year rate increases to 2029, followed
by 2%/year (the light green), and one with the 7.9%/year rate increases for 6 years followed
by 4.54%, and then 2%/year (the dark green).

The box and whisker plots read as follows, using an example year of 2022:3

Looking to the 7.9% scenario as proposed by Hydro (the dark green box-and-whisker
plot) shows the 50th percentile outcome to be $546 million net income in that year.

The 20th and 80th percentiles range from $402 million net income to $673 million net
income (6 out of 10 times net income would be expected to fall within this range).

Looking to the more extreme “whiskers”, the results show that the 5th percentile (19
times out of 20) net income would exceed $244 million, but the 95th percentile would be
$811 million (only 1 time in 20 would this be exceeded). Note that results anywhere
within this range can be compared to Hydro’s previous record high net income of $415
million in 2006.

Comparing to the 3.95% scenario (light green), the 2022 values show a 50th

percentile net income of $221 million.

The 80th and 20th percentile values are $351 million and $76 million (6 out of 10 times
the net income would be within this range).

2 PUB/MH II 41a-b, page 7 of 16.
3 All values per PUB/MH II 41a-b page 8.
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The 5th percentile shows a net loss of $80 million, with the 95th at well above $483
million.

In reviewing Figure C-1 above, it is important to note that the 5th percentile line in any given
year is not necessarily the same scenario that leads to the 5th percentile line in the subsequent
years. In other words, looking to the light green line, there is not a 1 in 20 chance that net
income will be negative $80 million in 2022 followed by negative $335 million in 2023 followed
by negative $497 million 2024 etc. as would be shown by tracking the 5th percentile through the
years – these 5th percentile values are not driven by the same underlying scenarios (i.e., the
same worst drought does not repeat itself for each year of a 20 year horizon).

The 5th percentile line is also informative regarding droughts. Under the 3.95%/year scenario,
the 5th percentile values show the adverse effects in any given year from experiencing a very
serious drought combined with other adverse effects. At its worst (2026) the resulting net
income is negative $539 million. The interesting part of characterizing the exposure in this
manner is that it is highly correlated with the risks Hydro has been exposed to for the last few
decades – in particular consider that in 2003/04 a very serious drought led to negative $436
million in Net Income. What is important to understand is that in the 2003/04 case, the drought
was not noted to be correlated with adverse moves on interest rates or export prices, which the
uncertainty modelling is assuming. It is also important to note that the 2003/04 drought
occurred at a time when Hydro’s retained earnings were only $1.2 billion and domestic
revenues (on which rate increases could be granted) were only $918 million.4 In today’s
context, retained earnings are approaching $3 billion and domestic revenue is near $1.6 billion.

In short, the risk exposure characterized by the 3.95%/year case (light green), which shows
$539 million in losses in a severe drought in only the worst year (2026), and significantly less in
each other year of the sequence, is not uncharacteristically poor for Hydro, if anything it is
uncharacteristically good. It is clearly less risk exposure than existed for likely much of the last
20 years or longer.

Figure C-1 emphasizes the effects arising from Hydro’s targeting 7.9%/year rate increases for
the next number of years (dark green scenario). In particular, the chart shows that Hydro
would be seeking to achieve net income that has at most a very small chance of being negative
- even in the worst years of the scenario (2020), with compounding adverse effects occurring
(e.g., drought combined with unexpectedly adverse interest rate moves and poor export
conditions). Outside of a few years that are particularly susceptible to adverse outcomes (e.g.,
2023 to 2026) the path is designed to make it more likely than not that each given year of the
forecast will be above the existing record net income for Hydro, with many years having a likely
80-90 percent chance that the existing record of $415 million will be exceeded, year-after-year.

4 Hydro Annual Report 2007, page 100 (Appendix 15 to the 2008 GRA).
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Turning to the level of retained earnings, a similar figure is produced for the level of retained
earnings in each future year, as shown in Figure C-2 below:

Figure C-2: Comparison of the Annual Retained Earnings Variability5

Figure C-2 highlights the retained earnings scenarios, in dollars, for Hydro’s two main rate
increase scenarios modelled – again, dark green for 7.9%/4.54%/2% and light green for
3.95%. The 50th percentiles emphasize that starting with the approximately $3 billion retained
earnings at present, the 3.95%/year rate increase median sustains this over the next decade.
After 2027, as the effects of ongoing inflation and rate increases take effect, the retained
earnings 50th percentile shows growth to over $6 billion within 20 years. The retained earnings
scenarios highlight a further important aspect that over the period to 2024, there is only a 5th

percentile outcome that has retained earnings decreasing to $2 billion.

An aspect of the retained earnings scenarios in Figure C-2 is the compounding nature of the
range of outcomes (the heighted of the bars and whiskers) given the model applies no rate
response, but only a fixed unyielding rate increase scenario. As discussed below, this inability to
have rates react to the scenarios as they unfold is a major limitation with the model as
developed by Hydro that should be addressed in future. Since this feature does not exist, the
fixed unyielding rate increase scenarios mean that if a scenario is knocked off course earlier in
the model run (e.g. years 3-8), whether positive or negative, the failure of the rate scenario to
react leads to an ever widening cone that is not a reasonable portrayal of the actions that
would be expected to be taken. For example, the 20 year range of negative $0.5 billion to
positive $15.5 billion for the 5th to 95th percentiles under the 3.95%/year rate increase reflects a
failure of the model to adjust rate increases to, say, 4.95% when needed for adverse

5 PUB/MH II 41a-b, page 11.



Supplementary Background Papers October 31, 2017

Background Paper C: Uncertainty Analysis and Risk Scenarios Page C-6

conditions, or 2.95% when possible for exceeding financial expectations. Nonetheless, the 50th

percentile values should remain reasonably accurate, but the outer edges of the cone would be
expected to be narrowed with rate response.

KPMG has provided a different approach to portraying the same analysis approach in
Appendix 4.5, KPMG Figure 6-15 (reproduced below as Figure C-3) though this appears to be
based on the original MH16 conditions.

Figure C-3: Minimum Equity Value Observed 2018 through 2024
Alternative Scenarios6

In Figure C-3 above, KPMG provides a snapshot assessment for the 2018-2024 period of the
lowest level of Hydro retained earnings for each run (as a percentage of capital) that can be
expected given the scenarios modelled. The orange line portrays the scenarios tied to
7.9%/year rate increases and the blue line to 3.95%/year rate increases. The form of the chart
shows that if 7.9%/year rate increases are adopted, there is effectively no risk (considering the
variables modelled) that Hydro would hit, at any time during the 2018-2024 period, a retained
earnings level that is below about 11% of capital. With 3.95%/year increases, there is a small
risk that Hydro could hit retained earnings levels between 5 and 6% of capital in at least one
year, but not below. The 50th percentile retained earnings ratio is about 14% for the 7.9%/year
rate increases and just over 12% for the 3.95%/year rate increases. Under best cases, both

6 KPMG LLP. 2017. Manitoba hydro Financial Targets Review Supplementary Update. Appendix 4.5 of the Manitoba
Hydro 2017/18 & 2018/19 GRA. August 2017. Figure 6-15, pg. 75.
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scenarios have a minimum retained earnings at 14% (which is approximately the 2018 ratio, so
neither scenario can avoid this minimum retained earnings value).

Note that neither scenario above applies any rate response – even in the worst conditions, each
approach sticks to the 3.95%/year or 7.9%/year rate increases characterizing the scenario. Also
note that due to this lack of rate response, neither scenario comes close to the situation KPMG
highlighted as being where Hydro would no longer be self-supporting, i.e., “…a position of near
zero retained earnings and rates have increased in real terms such that Manitoba can no longer
be considered a cost competitive jurisdiction with respect to electricity rates”7 (emphasis in
original). Under the above scenarios, particularly the 3.95%/year scenario, retained earnings
under the worst cases would hit between 5 and 6 percent of capital (slightly below $1.5 billion)8

for a time and rates would remain among the lowest in Canada9. For this reason, Figure C-3
above suggests that if the worst situation were to arise, some level of rate response (higher
than 3.95%/year increases) could be applied to further bolster the retained earnings above the
$1.5 billion level.

A further benefit of the KPMG presentation format is a high degree of information provided
about the range of outcomes (to 2023/24) comparing IFF14 to IFF16. Figure C-3 above
provides, in the blue line, the minimum retained earnings percentages arising under IFF16
inputs but using a rate increase scenario similar to IFF14. The same graph based on the IFF14
inputs is provided below in Figure C-4:

7 Appendix 4.1, page 7.
8 In 2023/24, per PUB MFR-17, total capital (debt+equity) approximates $27.8 billion, at 5% this totals $1.4 billion.
9 At 3.95%/year increases the real rate of increase is approximately 2%/year for the 7 years to 2023/24. Other than
Quebec, Hydro’s application Figure 2.33 highlights that Manitoba’s rates are below the other lowest jurisdiction in
Canada – BC. Even with 7 years of increases Manitoba’s rates would remain competitive.
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Figure C-4: Cumulative Probability Graph
Minimum Equity Ratio Over 10-Year Period 2015-202410

Comparing Figure C-3 to Figure C-4 (blue line), it is clear that under effectively the same rate
increase scenario, IFF16 has materially reduced the risk of adverse outcomes. In particular, at
the time of IFF14, a rigid adherence to 3.95%/year rate increases over the period to 2024
would have provided a 25% chance that retained earnings levels would drop below 5%, and a
6% chance that they would drop below $0 (potentially as low as negative 6% of total capital).
These scenarios, though highly unlikely, would be a significantly problematic outcome. Of
course, had such conditions arisen after IFF14 was prepared, rate response (e.g., higher than
projected rate increases) would have become required.

By IFF16, these extreme results are no longer within the range of modelled outcomes. While
IFF14 showed a 1 in 4 chance that retained earnings could drop below 5%, this outcome is no
longer shown at even the 1 in 100 level. IFF14 exhibited a 6% chance that retained earnings
could drop below $0, this outcome is no longer within the range of outcomes at any probability
threshold.

10 KPMG LLP. 2017. Manitoba Hydro Financial Targets Review. Appendix 4.1 of the Manitoba Hydro 2017/18 &
2018/19 GRA. May 2015. Figure 7-7, pg. 116 (original source: Manitoba Hydro).
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At the 50th percentile, IFF14 had showed a minimum retained earnings at 9% of capital. This
outcome is now at the 10th percentile (only a 1 in 10 chance of this low an outcome occurring).
The new IFF16 50th percentile exceeds 12 percent of capital.

The reason for the narrowing of potential outcomes to 2024 for IFF16 versus IFF14 are twofold:

1) IFF16 shows improvement in a number of critical input conditions, such as interest rates
and water levels.

2) More importantly, IFF16 shows the benefits of 2 years of actual known conditions at the
outset of the sequence. The IFF16 probability set is all those outcomes that may arise
within 8 years to 2024, while the IFF14 was all scenarios that could arise within 10 years
to 2024. This is a very important distinction that underlines the critical importance of
timing and sequence of risk. In the intervening 2 years from IFF14 to IFF16, a
significant reduction in risk has occurred leading to a narrowing of the 5th/95th range.
This is due to the normal evolution of facts as major capital projects (and associated
borrowing) proceeds. The trend would be expected to continue as Keeyask and Bipole
III progress towards completion. This feature is highly informative to the need for
attentive, but measured, responses during the critical years to 2022/23 as risks are
carefully monitored and resolved.

2. HOW CAN THE UNCERTAINTY MODELLING BE IMPROVED?

Hydro’s uncertainty modelling is a significant improvement on the ability to assess and analyze
future potential events. Three potential improvements have been identified, but two of the
potential improvements are not likely to materially change the results.

Improvements that are important to the next evolution of the modelling:

1) Include rate response.

Improvements that are possible, but unlikely to materially affect the modelling results for IFF16:

1) Determine if additional risks should be included in addition to the main three risks
already included (interest rates, export prices and water flows).

2) Consider alternative weighting for input values (e.g., are low/high prices just as likely as
the expected prices, or are they somewhat less likely).

Each is addressed in the sections below.

2.1 Rate Response

The most notable omission from Hydro’s uncertainty analysis is the failure to include any
mechanism for automated rate response in the analysis. This means that the scenarios show
excessive divergence from targeted financial performance as rate increases continue to be
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enforced by the model in situations where they are nonsensical. For example, the model may
show that there is a risk, if a 3.95%/year rate regime is implemented, that equity will turn
negative and continue eroding, or at 7.9%/year that Hydro will exceed 50% equity and $1
billion in net income yet continue to raise rates. The result is that the projected cones are much
wider than can reasonably be expected.

The same issue was present to some degree in the NFAT hearing, where multiple scenarios
were similarly being examined. In that case Hydro developed a simplified rate response regime
that could be applied by the computer within the modelling (targeted to interest coverage each
year). Hydro’s approach was better than using an unresponsive fixed rate regime, but was
coarse. In particular, Hydro’s scenarios forced a specific rate increase for 20 years (tied to the
specific development plan), but then let the rate increases respond to the measured Interest
Coverage ratio without constraint after year 20. The result was an overly rigid rate increase
regime in the first 20 years, and an overly frenetic rate scenario in the years after year 21 (e.g.,
sometimes with double digit rate increases in one year followed by double digit decreases the
next).

Morrison Park Advisors, as an Independent Expert Consultant retained by the PUB, provided
modelling that was more sophisticated in terms of rate responsiveness. The Morrison Park
modelling implemented a given rate level for each year, and then adjusted the rates the next
year to reflect the evolution of conditions so as to either achieve or proceed towards a given
financial target – but the rate changes were constrained to a reasonable range (the maximum
increase or decrease was fixed at two times inflation).11

In the case of Hydro’s current uncertainty analysis, this could be implemented by modelling a
rate regime based around a given starting baseline percentage increase, but if conditions
trended adverse, an increase somewhat higher than this level could be used (e.g., 2% higher
than baseline)12 and if conditions were better than expected, a lower than baseline increase
could be assumed (e.g., 2% below baseline). In each scenario, for each year of the model, the
calculation would start with assessing which rate increase would be implemented.

The specific financial criteria to be met to trigger each respective rate increase level would need
further development, but would likely be able to be based generally around Hydro’s financial
targets. For example, in assessing the rate increase to be applied to a given year, if the Interest
Coverage Target was being missed to the downside then the higher rate increase may be used
in that year, while if the debt-to-capital pathway that leads to a given debt percentage within a
given number of years was being materially exceeded, then the lower rate increase would be
used in that year.

11 MH/MPA I-007 from the 2013 NFAT proceeding.
12 In the last major drought – 2004 – the PUB decided to implement a 5% rate increase, compared to a 3% sought
by Hydro. A reasonable inference could be that 2% above baseline is an accepted response to adverse conditions
occurring.
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The results of such modelling would yield two beneficial results:

1) The modelling would permit answering critical questions – including whether a
3.95%/year pathway (recognizing the potential for a 5.95% increase if conditions are
significantly poor, and 1.95% if conditions are above expectations) would provide
sufficient or potentially even excessive risk protection. This could be compared, for
example, to scenarios with a 3%/year baseline and a +/-3% boundary or other
alternatives, offering a lower initial rate increase to customers but perhaps a slightly
higher risk of instability in rates.

2) The modelling would allow the PUB to signal endorsement of not only a current rate
increase, but a possible future pathway (including pre-assessed rate responses) to
address Hydro’s known risks should they arise. This has the potential to provide an
added degree of comfort and clarity to lenders and credit ratings agencies about the
regulatory responses that are able to be brought to bear to deal with future adverse
conditions, though such signalling would not be intended to in any way fetter the
Board’s discretion to act according to the best evidence at the time each future rate
increase is sought.

It is expected that rate response would permit a much more accurate portrayal of the financial
scenarios that is representative of a given pathway available. The tool would permit scenario
evaluation that informs whether a specific rate increase in the first 1-2 years exposes the
company to potentially needing rate shock increases in future years under reasonably
foreseeable adverse conditions. If such risk was not exhibited, then it could provide comfort
that the specified rate increase was reasonable and appropriate in the first years under review.

2.2 Modelling of Additional Risks

The uncertainty model incorporates risks for export prices (which also affects fuel used during
low flow scenarios), interest rates and water flows. Hydro’s traditional deterministic risk register
from the IFF includes a number of additional variables. In the case of IFF16, the measured
impacts to retained earnings over the 10 years to 2026/27 for uncontrollable risks13 are as
follows (in terms of adverse impact in retained earnings)14:

Drought (5 year impact) - $1.367 billion;

+1% interest rates - $0.930 billion;

Low export prices - $0.777 billion;

Canadian US dollar exchange rate down $0.10 (C$ strengthening) - $0.220 billion; and

13 Two other scenarios are also modelled related to Hydro adding to capital expenditures, but these are not
uncontrollable risks and do not fit the profile for inclusion in an uncertainty analysis so are not included above.
14 IFF16, page 44.
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Low domestic load growth - $0.179 billion.

As can be seen from the above list, the uncertainty analysis already includes by far the biggest
3 risks that dominate Hydro’s future exposure to adverse outcomes, and as such it is unlikely
there would be significant benefit from adding to the analysis scenarios with varying exchange
rates and domestic load growth.

2.3 Alternative Weightings

A final area of potential improvement is to explore the impacts of using alternative weightings
for the respective reference, low and high input values (interest rates and export prices).
Hydro’s uncertainty modelling uses equal weights of 1/3 to each15 value. During NFAT, Hydro
had a more refined weighting system as shown in Figure C-5 below (reproduced Figure 2.15
from NFAT Appendix 9.3):

Figure C-5: Probabilities for Highest Impact Factors16

The above Figure C-5 shows that at the time of NFAT, Hydro had placed considered and
unequal weightings that prioritized the likelihood of the reference case for Energy Prices and for
interest rates (represented by the Discount Rate). MIPUG/MH I-3a in the current proceeding
reviews the rationale and impact for now using equal weightings. Hydro specifically notes that
in the absence of retaining additional outside expertise regarding the energy cost forecasts (as
was done with NFAT), “Manitoba Hydro assumed equal weightings to avoid introducing any
subjectivity or bias.” With respect to interest rates, Tab 4 sets out that interest rates can be
modelled using a sample of 50 interest rates from a stochastic interest rate generator17 but that
Hydro elected to use the 3 state model, equally weighted, as it gave relatively similar results
with considerably less computing requirements. Figure 4.16 from Hydro’s Tab 4 (reproduced

15 MIPUG/MH I-3a
16 Manitoba Hydro. 2013. Economic Evaluation Document. Appendix 9.3 of the Needs For and Alternatives To
Proceeding. August 2013. Figure 2.15, pg. 60
17 Tab 4, Manitoba Hydro 2017/18 & 2018/19 GRA, page 20.
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below as Figure C-6) sets out a comparison of the two methods to confirm the reasonableness
of using the 3 state model rather than the 50 state.

Figure C-6: Projected Equity Ratios from Uncertainty Analyses18

As shown in Figure C-6, the 3 state model (the blue case) does reasonably track the same
outcomes as the 50 state model (the brown case), but with a somewhat more pessimistic lean
(blue bars and whiskers are lower than brown).

Looking to MIPUG/MH I-3a regarding the combined effect of interest rates and export prices,
the figure shown at page 3 of that response illustrates the impact on one sample year and
scenario from using a 25%/50%/25% weighting as opposed to a 33%/33%/33% weighting, as
reproduced below as Figure C-7.

18 Tab 4, Manitoba Hydro 2017/18 & 2018/19 GRA, page 21.
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Figure C-7: Equity Ratio in FY 2027 (P05 P20 P80 P95 Values)19

The above Figure C-7 highlights that little of the box component (the 80th and 20th percentile
ranges) is affected by the altered weightings, but that the more extreme ranges (particularly
the 5th percentile) is drawn into a notably more constrained range.

Combining the above information, it is likely that Hydro’s approach to modelling, using only 3
interest rate projections from the stochastic model rather than 50, and using 3 equally weighted
export prices rather than a weighting more similar to the NFAT scenarios, likely results in a
small tendency of the cones to be wider (i.e., exhibit more sensitivity) than would otherwise be
the case, and the extreme low 5th percentile values in particular to be lower than might
otherwise be the case. While the effect is likely measurable, it is unlikely to be materially
skewing the output of the uncertainty analysis in a manner that requires immediate action.

Further future improvements to the uncertainty modelling may plan to investigate more
refinement in the weightings used, as an incremental improvement.

19 MUIPUG/MH I-3a, Manitoba Hydro 2017/18 & 2018/19 GRA, page 3 of 9.
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The purpose of this manual is to provide 

a comprehensive reference on electric 

utility cost allocation for a wide range of 

practitioners, including utilities, intervenors, utility 

regulators and other policymakers. Cost allocation is 

one of the major steps in the traditional regulatory 

process for setting utility rates. In this step, the regulators are 

primarily determining how to equitably divide a set amount 

of costs, typically referred to as the revenue requirement, 

among several broadly defined classes of ratepayers. The 

predominant impact of different cost allocation techniques 

is which group of customers pays for which costs. In many 

cases, this is the share of costs paid by residential customers, 

commercial customers and industrial customers.

In addition, the data and analytical methods used to 

inform cost allocation are often relevant to the final step of 

the traditional regulatory process, known as rate design. In 

this final step, the types of charges for each class of ratepayers 

are determined — which can include a per-month charge; 

charges per kilowatt-hour (kWh), which can vary by season 

and time of day; and different charges based on measurements 

of kilowatt (kW) demand — as well as the price for each type 

of charge. As a result, cost allocation decisions and analytical 

techniques can have additional efficiency implications.

Cost allocation has been addressed in several important 

books and manuals on utility regulation over the past  

60 years, but much has changed since the last comprehensive 

publication on the topic — the 1992 Electric Utility Cost 

Allocation Manual from the National Association of 

Regulatory Utility Commissioners (NARUC). Although 

these works and historic best practices are foundational, the 

legacy methods of cost allocation from the 20th century are 

no more suited to the new realities of the 21st century than 

the engineering of internal combustion engines is to the 

design of new electric motors. New electric vehicles (EVs) may 

look similar on the outside, but the design under the hood is 

completely different. This handbook both describes the current 

Introduction and Overview

Charting a new path on cost 
allocation is an important part of 
creating the fair, efficient and clean 
electric system of the future.

best practices that have been developed over the past several 

decades and points toward needed innovations. The authors of 

this manual believe strongly that charting a new path forward 

on cost allocation is an important part of creating the fair, 

efficient and clean electric system of the future.

Scope and Context  
of This Manual

This manual focuses on cost allocation practices for 

electric utilities in the United States and their implications. 

Our goal is to serve as both a practical and theoretical 

guide to the analytical techniques involved in the equitable 

distribution of electricity costs. This includes background on 

regulatory processes, purposes of regulation, the development 

of the electricity system in the United States, current best 

practices for cost allocation and the direction that cost 

allocation processes should move. Most of the elements of 

this manual will be applicable elsewhere in the Americas, as 

well as in Europe, Asia and other regions.

The rate-making process for investor-owned utilities 

(IOUs) has three steps: (1) determining the annual revenue 

requirement, (2) allocating the costs of the revenue require-

ment among the defined rate classes and (3) designing the 

rates each customer ultimately will pay. Figure 1 on the next 

page presents a highly simplified version of these steps.

In the cost allocation step, there are two major quantita-

tive frameworks used around the United States: embedded 

cost of service studies and marginal cost of service studies. 

Embedded cost studies typically are based on a single year-

long period, using the embedded cost revenue requirement 

and customer usage patterns in that year to divide up costs. 
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Marginal cost of service studies, in contrast, look at how costs 

are changing over time in response to changes in customer 

usage.

Regardless of which framework will be used, an enor-

mous amount of data is typically collected first, starting with 

the costs that make up the revenue requirement, energy 

usage by customer class and measurements of demand at 

various times and often extending to data on generation 

patterns. Furthermore, when the quantitative cost of service 

study is completed, regulators typically don’t take the results 

as the final word, often making adjustments for a wide range 

of policy considerations after the fact.

Traditionally, the analysis for an embedded cost of service 

study is itself divided into three parts: functionalization, 

classification and allocation. Figure 2 on the next page shows 

the traditional flowchart for this process.

The analysis for a marginal cost of service study starts 

with a similar functionalization step, but that is followed by 

estimation of marginal unit costs for each element of the 

system, calculation of a marginal cost revenue requirement 

(MCRR) for each class as well as for the system as a whole, 

and then reconciliation with the annual embedded cost 

revenue requirement. 

This cost allocation manual is intended to build upon pre-

vious works on the topic and to illuminate several areas where 

the authors of this manual disagree with the approaches of the 

previous publications. Important works include:

•	 Principles of Public Utility Rates by James C. Bonbright 

(first edition, 1961; second edition, 1988).

•	 Public Utility Economics by Paul J. Garfield and  

Wallace F. Lovejoy (1964).

Figure 1. Simplified rate-making process
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•	 The Economics of Regulation: Principles and Institutions  

by Alfred E. Kahn (first edition Volume 1, 1970, and  

Volume 2, 1971; second edition, 1988).

•	 The Regulation of Public Utilities by Charles F. Phillips 

(1984). 

•	 The 1992 NARUC Electric Utility Cost Allocation Manual.

Of course, cost allocation has been touched upon in 

other works, including RAP’s publication Electricity Regulation 

in the United States: A Guide by Jim Lazar (second edition, 

2016). However, since the 1990s, there has been neither a 

comprehensive treatment of cost allocation nor one that 

addresses the emerging issues of the 21st century. This 

manual incorporates the elements of these previous works 

that remain relevant, while adding new cost centers, new 

operating regimes and new technologies that today’s cost 

analysts must address.

Continuing Evolution of the 
Electric System 

Since the establishment of electric utility regulation 

in the United States in the early 20th century, the electric 

system has undergone periods of great change every several 

decades. Initial provision of electricity service in densely 

populated areas was followed by widespread rural electrifica-

tion in the 1930s and 1940s. In the 1950s and 1960s, vertically 

integrated utilities, owning generation, transmission and 

distribution simultaneously, were the overwhelmingly domi-

nant form of electricity service across the entire country. 

However, the oil crisis in the 1970s sparked a chain 

reaction in the electric industry. That included a new focus 

by utilities on baseload generation plants, typically using coal 

or nuclear power. At the same time, the federal government 

began to open up competition in the electric system with the 

passage of the Public Utilities Regulatory Policy Act (PURPA) 

Figure 2. Traditional embedded cost of service study flowchart
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of 1978. PURPA dictated that each state utility commission 

consider a series of standards to reform rate-making prac-

tices, including cost of service.1 Nearly every state adopted 

the recommendation that rates should be based on the cost 

of service, but neither PURPA nor state regulators were 

clear about what that should mean. This has led to a fertile 

legal and policy discussion about the cost of service, how 

to calculate it and how to use it. PURPA also required that 

utilities pay for power from independent power producers 

on set terms.

In the 1970s and early 1980s, major increases in oil prices, 

the completion of expensive capital investments in coal and 

nuclear generation facilities and general inflation all led to 

significantly higher electricity prices across the board. These 

higher prices, in combination with PURPA’s requirement 

for set compensation to independent power producers, 

led to demands by major consumers to become wholesale 

purchasers of electricity. This in turn led to the Energy Policy 

Act of 1992, which enabled the broader restructuring of the 

electric industry in much of the country around the turn of 

the 20th century.

The key texts and most of the analytical principles 

currently used for cost allocation were developed between 

the 1960s and early 1990s. Since that time, the electric system 

in the United States has been undergoing another period of 

dramatic change. That includes a wide range of interrelated 

advancements in technology, policy and economics:

•	 Major advances in data collection and analytical 

capabilities.

•	 Restructuring of the industry in many parts of the 

country, including new wholesale electricity markets, 

new retail markets and new market participants.

•	 New consumer interests and technologies that can be 

deployed behind the meter, including clean distributed 

generation, energy efficiency, demand response, storage 

and other energy management technologies.

•	 Dramatic shifts in the relative cost of technologies and 

fuels, including massive declines in the price of variable 

renewable resources like wind and solar and sharp 

declines in the cost of energy storage technologies.

•	 The potential for beneficial electrification of end uses 

that currently run directly on fossil fuels — for example, 

electric vehicles in place of vehicles with internal 

combustion engines.

Many, if not all, of these changes have quantifiable ele-

ments that can and should be incorporated directly into the 

regulatory process, including cost allocation. The increased 

development of renewable energy and the proliferation of 

more sophisticated meters provide two examples.

Figure 3 illustrates the dramatic increase in wind and 

solar generation in the United States in the last decade, based 

on data from the U.S. Energy Information Administration.

Traditional cost allocation techniques classify all utility 

costs as energy-related, demand-related or customer-

related. These categories were always simplifications, but 

they must be reevaluated given new developments. Some 

legacy cost allocation methods would have treated wind and 

solar generation entirely as a demand-related cost simply 

because they are capital investments without any variable 

fuel costs. However, wind and solar generation does not 

necessarily provide firm capacity at peak times as envisioned 

by the legacy frameworks, and it displaces the need for fuel 

supply, so it doesn’t fit as a demand-related cost.

Data source: U.S. Energy Information Administration. (2019, February). 
Electric Power Monthly. Table 1.1.A. Retrieved from https://www.eia.gov/

electricity/monthly/epm_table_grapher.php?t=epmt_1_01_a 
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1	 The PURPA rate-making standards are set forth in 16 U.S.C. § 2621. 
Congress in 2005 adopted a specific requirement that cost of service 
studies take time of usage into account; this is set forth in 16 U.S.C. § 2625.
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In addition, many utilities now collect much more 

granular data than was possible in the past, due to the 

widespread installation of advanced metering infrastructure 

(AMI) in many parts of the country and other advancements 

in the monitoring of the electric system. As a result, utility 

analysts often have access to historical hourly usage data 

for the entire utility system, each distribution circuit, each 

customer class and, increasingly, each customer. Some 

automated meter reading (AMR) systems also allow the 

collection of hourly data, typically read once per billing cycle. 

Table 1 shows the recent distribution of meter types across 

the country, based on data from the U.S. Energy Information 

Administration. Improved data collection allows for a wide 

range of new cost allocation techniques.

In addition, meters have been primarily treated as a 

customer-related cost in older methods because their main 

purpose was customer billing. However, advanced meters 

serve a broader range of functions, including demand 

management, which in turn provides system capacity 

benefits, and line loss reduction, which provides a system 

energy benefit. This means the benefits of these meters 

flow beyond individual customers, and logically so should 

responsibility for the costs.

These are just two examples of how recent technological 

advances affect appropriate cost allocation. In subsequent 

chapters, this manual will address each major cost area for 

electric utilities, the changes that have occurred in how costs 

are incurred and how assets are used, and the best methods 

for cost allocation.

Data source: U.S. Energy Information Administration.  
Annual Electric Power Industry Report, Form EIA-861: 2017 [Data file]. 

Retrieved from https://www.eia.gov/electricity/data/eia861/

Advanced metering 
infrastructure

Automated meter 
reading

Older systems

	 52.2%	 50.0%	 44.5%

	 29.5%	 26.5%	 28.0%

	 18.3%	 23.5%	 27.5%

Residential Commercial Industrial

Table 1. Types of meters and percentage of customers with 
each in 2017

Principles and Best Practices
There is general agreement that the overarching goal 

of cost allocation is equitable division of costs among 

customers. Unfortunately, that is where the agreement ends 

and the arguments begin. Two primary conceptual principles 

help guide the way to the right answers:

1.	 Cost causation: Why were the costs incurred?

2.	 Costs follow benefits: Who benefits?

In some cases these two frameworks point to the same 

answer, but in other cases they conflict. The authors of this 

manual believe that “costs follow benefits” is usually, but 

not always, the superior principle. Other helpful questions 

can be asked to illuminate the details of particularly difficult 

questions, such as:

•	 If certain resources were not available, which services 

would not be provided, and what different resources 

would be needed to provide those services at least cost?

•	 If we did not serve this need in this way, how would costs 

change?

In the end, cost allocation may be more of an art than a 

science, since fairness and equity are often in the eye of the 

beholder. In most situations, cost allocation is a zero-sum 

process where lower costs for any one group of customers 

lead to higher costs for another group. However, the tech-

niques used in cost allocation have been designed to mediate 

these disputes between competing sets of interests. Similarly, 

the data and analysis produced for the cost allocation process 

can also provide meaningful information to assist in rate 

design, such as the seasons and hours when costs are highest 

and lowest, categorized by system component as well as by 

customer class.

In that spirit, we would like to highlight the following 

current best practices discussed at more length in the later 

chapters of this manual. To begin, there are best practices 

that apply to both embedded and marginal cost of service 

studies:

•	 Treat as customer-related only those costs that actually 

vary with the number of customers, generally known as 

the basic customer method.

•	 Apportion all shared generation, transmission and 

distribution assets and the associated operating expenses 
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190	 The same approach is possible with retail customers whose rates are 
fixed under multiyear contracts. Off-system sales revenues may vary 
considerably, based on market conditions, and are therefore often 
included in a fuel adjustment clause or similar rider between rate cases, 
while the base allocation is typically established in a general rate case.

191	 MidAmerican Energy in Iowa proposed an hourly cost allocation method 
for capacity and energy in a recent case but also argued that if the Iowa 
Utilities Board were to use its traditional “average and excess demand” 
method instead, off-system sales margins should be allocated by excess 
demand, not by energy.  “MidAmerican believes it is more appropriate 
to allocate wholesale margins (revenues less fuel costs) based on the 
excess demand component of the [average and excess] allocator, as it 
is from excess generation capacity that wholesale sales can be made” 
(Rea, 2013, p. 19).

15. Revenues and Offsets  
in Embedded Cost of Service Studies

15.1  Off-System Sales Revenues

Some retail cost of service studies treat wholesale sales 

as a separate class and allocate costs to the off-system 

customers. The cost of service study does not neces-

sarily lead to any change in the off-system customers’ charges 

(which are typically set by contracts, markets or FERC) but 

does help the regulator determine what share of the revenue 

requirement not recovered by FERC-regulated sales should be 

borne by each retail class. Alternatively, many utilities allocate 

all their costs to the retail classes and credit the export 

revenues back to the retail classes.190 

In the latter approach, utilities sometimes allocate 

wholesale revenues to classes in proportion to their allocation 

of generation costs. Under this type of allocator, the greater 

the rate class’s demand and usage, the greater its share of the 

off-system sales revenue. The problem with this approach is 

that some classes (e.g., industrials) use most of the generation 

capacity allocated to them throughout the year, while other 

classes typically pay for capacity they use in their peak season 

but which is available for sale in other seasons. Off-system 

sales revenues depend not only on the retail customers’ 

financial support of the resources (including generating 

capacity) from which off-system sales are made but also on 

the extent to which class load shapes leave resources available 

to make those sales.

A more appropriate allocator would reward a class for 

having lower demand and usage, perhaps on a monthly 

basis, thereby leaving generation (and transmission) capacity 

available to support the off-system sales. In other words, 

the revenue from off-system sales should reflect classes’ 

contribution to the availability of capacity to make the 

sales.191

15.2  Customer Advances  
and Contributions in Aid  
of Construction

As discussed in Section 11.2, most utilities charge new 

customers or new major loads for expansion of the delivery 

system, at least in some circumstances. Utilities frequently 

require customer advances for construction costs when they 

are asked to build a facility to accommodate subsequent 

load growth (e.g., to connect a subdivision or commercial 

development before some or perhaps any of the units are 

built and sold). The utility requires the advance to transfer to 

the developer the risk that the load will never materialize, or 

that load will grow more slowly than expected. As the load 

materializes, the advances are refunded to the developer. 

Those advances provide capital to the utility and generally are 

treated as a reduction of rate base; that cost reduction should 

be directly assigned to the customer classes for whom the 

advances were made.

Contributions in aid of construction are similar to 

customer advances but are applied in situations in which the 

utility does not expect the incremental net revenues from the 

load to cover the entire cost of the expansion. The contribu-

tions are thus a permanent payment to the utility, offsetting 

part of the capital cost. Contributions in aid of construction 

should be treated similarly to customer advances, allocated as 
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resources are equitably allocated to the customers for whom 

the New York Power Authority provides the power and that 

all customers share the cost of incremental resources needed 

to serve demand in excess of incremental usage.201 

Northwest Power Act — New Large Single Loads
The Pacific Northwest Electric Power Planning and 

Conservation Act of 1980 provided, among other things, for 

division of the economic benefits of the federal Columbia 

River power system among various customer groups and rate 

pools (Pub. L. No. 96-501; 16 U.S.C. § 839 et seq.). The act set 

forth a specific mechanism for the Bonneville Power Admin-

istration to charge a price based on new resources to “new 

large single loads” (discrete load increments of 10 average 

MWs or 87,600 MWhs per year, such as might be experienced 

if a new oil refinery were built). This provision was intended 

to protect existing consumers from rate increases that could 

result from new very large loads attracted by the low average 

generation costs in the region, in a period in which new 

resources were very expensive. Table 38 shows average rates 

for Bonneville Power Administration by category for recent 

years, including a higher rate for new resources (Bonneville 

Power Administration, n.d.).202 

201	 This same concept has been the foundation of inclining block rates in 
Washington state and Indonesia.

202	 The average rates subsume a variety of fixed and variable charges. 

203	 Nova Scotia Power was not part of an energy market and had limited 
connections to its only neighboring utility (NB Power, which is also not 
part of an energy market), and its marginal generation resources are coal 

plants with long commitment horizons (Rudkevich, Hornby and Luckow, 
2014). 

204	 The Nova Scotia Power system will operate differently after 2020, when 
it is expected to have access to large amounts of Newfoundland hydro 
energy and operate under stricter carbon emissions standards. Any new 
load retention tariff would need to reflect those changes.

Priority firm public utility average	 $36.96

Priority firm public utility Tier 1	 $35.57

Priority firm – IOU residential load	 $61.86

Industrial power	 $43.51

New resources	 $78.95

Rate category
Average rates 

per MWh

Table 38. Bonneville Power Administration rate summary, 
October 2017 to September 2019

Source: Bonneville Power Administration. Current Power Rates

Nova Scotia Power Load Retention and Economic 
Development Rates

In 2011, falling global demand for paper resulted in the 

bankruptcy and shutdown of two paper mills that were Nova 

Scotia Power’s largest customers, which accounted for about 

20% of its sales and 12% of its revenues. The mills had been 

major employers, both directly and as purchasers of wood 

harvested from forests in the province. A buyer emerged for 

the larger of those facilities, contingent on a variety of sup-

portive policies from the provincial and federal governments, 

including favorable tax treatment and rates. 

Nova Scotia Power proposed and the Nova Scotia Utility 

and Review Board approved (with modifications) a load reten-

tion rate that would charge the mill hourly marginal fuel and 

purchased power costs (including opportunity costs from lost 

exports), plus administrative charges and mill rates to cover 

variable O&M, variable capital expenditures and a contribu-

tion to capital investments and long-term O&M. The load 

would be entirely interruptible, and the utility committed to 

excluding the mill’s load from its planning and commitment 

decisions (Nova Scotia Utility and Review Board, 2012). 

The determination of Nova Scotia Power’s hourly 

marginal costs proved to be more difficult than expected.203 

Nonetheless, the rate design succeeded in attracting the 

investment necessary to restart and retain the mill as an 

employer while producing some contribution to Nova Scotia 

Power’s embedded costs. The load retention tariff expires 

in 2020, at which time the mill may switch to a firm rate or 

negotiate a new load retention tariff.204

Chelan County Public Utility District Bitcoin Rate
The creation of bitcoin cryptocurrency units requires 

energy-intensive mathematical computations called mining. 

To limit the cost of their operations, bitcoin “miners” have 

sought locations with low-priced electricity. Those operations 
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typically require very large amounts of power but have few 

on-site employees and little local economic benefit. One of 

these locations is Chelan County in Washington state, where 

the local public utility district owns two very large dams on 

the Columbia River and has industrial rates about one-fourth 

of the national average.205

Chelan County Public Utility District’s existing low-cost 

resource is fully obligated to a combination of local retail use 

and long-term contract sales. The contract sales prices are 

above the average retail rates, bringing significant revenue to 

fund public infrastructure in the county, including a world-

class parks network. When the district received applications 

for service from bitcoin miners, it decided that this high-

density load growth would not be in the public interest, 

205	 The Chelan County Public Utility District rate for primary industrial 
customers up to 5 MWs with an 80% load factor is 1.91 cents per kWh 
(Chelan County Public Utility District, n.d.). The average U.S. industrial 

price was 6.88 cents per kWh in 2017 (U.S. Energy Information 
Administration, 2018, Table 5.c).

declared a moratorium on new connections and developed 

a tariff designed to ensure that any growth of this type of 

load would not adversely affect other consumers or the local 

economy (Chelan County Public Utility District, 2018). This 

tariff is geographically differentiated, to recognize areas 

where transmission and distribution capacity are available, 

and includes:

•	 Payment in a one-time charge of transmission and 

distribution system costs to serve large new loads.

•	 A price for electricity, tied to (generally higher) regional 

wholesale market prices, not Chelan County Public 

Utility District system costs.

•	 Severe penalties for excess usage that could threaten 

system reliability.


